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(a) 

 

(b) 

Figure 27 Kahawai-1 well (Zone K, L, and M). Bulk volume water (BVW) plots (Swe 
from Schlumberger model) with lithology logs to observe the transition zone and 
irreducible water saturation levels. Zone L (perpendicular signs) marked with a large 
circle shows constant bulk volume water values, affected by grain size. Smaller grain size 
(higher capillarity in the pores) caused high irreducible water saturation. On the other 
hand, drastic increase of bulk volume water shown with the arrow in zone M (triangle 
signs) indicates a typical transition zone. (a) Logarithmic scale. (b) Linear scale. 
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All information mentioned above proved that the bulk volume water plot combined with 

the lithology logs and core descriptions can be used to determine detrimental diagenesis 

effects (ineffective microporosity and ineffective secondary porosity). Also, the bulk 

volume water plot demonstrated that the diagenesis effects caused higher irreducible 

water saturation in zones B, D, and H whereas in zone L, abundant-silt sized grains kept 

higher irreducible water in the pores. This information will be useful in estimating the 

permeability of the zones at irreducible water saturation. 

 

3.5 Log-derived Permeability 

In this section, permeability will be calculated for zones at irreducible water saturations 

and results will be discussed. Moreover, air permeability to be used in the Winland 

correlation for pore type characterization of the reservoir was estimated from the gas 

absolute permeability of the formation, using an empirical relationship (Swanson, 1981).  

 

Permeability might be estimated from irreducible water saturation and effective porosity 

by using some empirical models (Timur, Morris-Biggs, Coates-Denoo, and Coates-

Dumanoir). All these formulas were created from the Wyllie-Rose (1950) equation. 

Except Morris-Biggs equation, other three empirical models are suitable for medium 

gravity oil fields. Morris-Biggs permeability equation used in this study is already 

suitable for gas fields. 

 

Permeability of the gas formation cannot be estimated from the empirical permeability 

equations (Timur, Coates-Denoo, and Coates-Dumanoir) which are suitable for medium 
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gravity oil fields because these three equations were used for laminar flow (Dewan, 

1983). On the other hand, around the borehole, gas flow might be turbulent (Dewan, 

1983). For gas reservoirs, these three equations must be modified.  

 

With respect to Dewan’s suggestion (1983), gas density must be added to the permeability 

equation to better predict the absolute permeability for gas fields. Therefore, I modified 

the permeability Timur, Coates-Denoo, and Coates-Dumanoir equations by adding the 

gas density (Assumed to be 0.1 g/cm3).  

 

To approximate air permeability (laboratory permeability) which is used in Winland’s 

equation, I assumed that the gas absolute permeability found by empirical models in this 

study is equal to the liquid permeability (no Klinkenberg effect). I used Swanson’s 

empirical relationship (1981) which converts liquid permeability to air permeability. 

 

Also, multi-linear regression analysis is used to create a permeability equation from well 

logs, using Timur permeability results and the gamma ray, density and deep resistivity 

logs. 

 

Lastly, Timur permeability (Kt) is calculated from the irreducible water saturation and 

effective porosity (dissolution porosity removed) for zones B, D, and H, at three depths. 

This is because dissolution porosity was isolated in zones B, D, and H and must be 

removed from effective porosity for true judgement of permeability within these zones. 
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Removing dissolution porosity in three zones assisted to find more reliable permeability 

results shown with red points (Figure 25a).  

 

As I showed on the bulk volume water plot, except for in zone M (transition zone), the 

gas formation in two wells is at irreducible water saturation (no water cut). Therefore, the 

permeability estimations are invalid for zone M which has mobile water, and pore type 

characterization of zone M will not be included in this study. 

 

The Timur and Coates-Denoo permeability results were similar in both wells. The Morris-

Biggs gas permeability values were lower than other three permeability equations. The 

Coates-Dumanoir gave higher values than other equations.  

 

Permeability estimations display high productive and low quality (diagenetic) rocks in 

the gas formation in the Karewa-1 well (Figure 25a). Even though calcite cementation 

might mostly contribute permeability of rocks, in this gas formation, the high degree of 

calcite cementation (zone F) showed quite detrimental effects to reservoir quality and 

decreased the permeability and the porosity in the gas formation. Even though grain size 

(related to permeability) was not changed in zone  



 

51 
 

 

Figure 28 Permeability results. Karewa-1 well for zones A to H. Permeability estimations 
from empirical models. Ktsch, Kmbgsch, Kcsch, Kcdsch, Ktairsch, Kmultisch, Kt, and 
Ktair are Timur, Morris-Biggs, Coates-Denoo, Coates-Dumanoir, air (converted from 
Timur permeability), multi-linear regression, Timur absolute (dissolution porosity 
removed), Air (dissolution porosity removed) permeability results calculated from the 
effective porosity and the irreducible water saturation of the Schlumberger model, 
respectively. Permeability results are high in zones A, C, E, and G whereas permeability 
results are too low in diagenetic zones (zones B, D, F, and H). 
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Figure 29 Permeability results. Kahawai-1 well for zones K and L. Permeability 
estimations from empirical models. Ktsch, Kmbgsch, Kcsch, Kcdsch, Ktairsch, and 
Kmultisch are Timur, Morris-Biggs, Coates-Denoo, Coates-Dumanoir, air (converted 
from Timur permeability), and multi-linear regression permeability results calculated 
from the effective porosity and the irreducible water saturation of the Schlumberger 
model, respectively. Within zone M (transition zone), permeability results are not 
reliable. Permeability results are high in zone K. 
 

F (calcite cemented), permeability was decreased due to low porosity, small intergranular 

pores and high irreducible water saturation.  

 

As for zones B, D, and H, diagenesis effects such as dissolution, alteration and 

precipitation of minerals decreased the absolute permeability due to the poor connectivity 

of micro pores and secondary pores (dissolution porosity) to effective pore systems. Rest 

of the formation (zones A, C, E, and G) are recognized as highly permeable zones (low 

irreducible water saturation zones) (Figure 25a). The main controls of permeability for 

the gas formation in Karewa-1 well are isolated micro pores, secondary pores, and shale 

in sandstone. 
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For the thin gas formation in Kahawai-1 well, high permeability was observed in zone K. 

On the other hand, zone L showed lower permeability due to smaller grain size (abundant 

silt grains) and high irreducible water saturation (Figure 25b). 

 

3.6 Flow Unit Characterization  

3.6.1 Flow Zone Indicator (FZI) 

The Flow zone indicator or the hydraulic flow unit characterize different flow units in 

formations. High productive zones, low-quality rocks, and diagenesis effects can be 

identified by a flow zone indicator (FZI). Soto et al. (2010) created an equation to estimate 

reservoir quality index from permeability and effective porosity. Amaefule (1993) 

identified the flow zone indicator from the ratio of the reservoir quality index to the 

normalized porosity. Normalized porosity is the ratio of pore volume to rock volume. A 

Log-log plot of the reservoir quality index and the normalized porosity was used to 

observe the different flow zone units (high productive, low quality, or diagenetic zones). 

I used Timur permeability results estimated by effective porosity and Schlumberger 

effective water saturation to find the reservoir quality index (RQI), normalized porosity, 

and flow zone indicator (FZI) values in different zones. Higher flow zone indicator values 

were attributed higher reservoir quality rocks on the plot.  

 

Flow zone indicator plot distinguished the diagenetic rocks, silt-size grained rocks, and 

highly gas productive zones from each other (Figures 30a and 30b). Diagenetic rocks 

(zones B, D, F, and H) gave the lowest flow zone indicator values whereas the silt-size 

grained zone (zone L) showed slightly higher flow units. Zones A, C, E, G, and K showed  
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(a) 

 

(b) 

Figure 30 Flow zone indicator (FZI) plot. Karewa-1 (Zones A to H) and Kahawai-1 
(Zones K and L) wells. FZI from Timur absolute permeability (Ktsch) found by 
Schlumberger water saturation equation. (a) Red color symbols show the low flow zone 
indicator values (diagenetic and smaller grain size rocks) whereas green color points 
display the high flow zone indicator values (high permeable and low irreducible water 
saturation zones). (b) It shows detailed version of the flow zone indicator plot. 
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higher flow zone indicator values. Depending on the similar flow zone indicator values, 

points were colored on the plot (Figure 30b).  

 

As a result of the flow zone indicator plot, diagenesis was interpreted more detrimental 

to the reservoir quality than the effects of smaller grain size (silt size grains) within the 

gas formation. 

 

3.6.2 Winland (R35) Empirical Correlation   

H. D. Winland (Amoco Production Company) created empirical equations by correlating 

the air permeability, the porosity and the pore throat size with different mercury saturation 

values from mercury injection capillary tests (Kolodzie, 1980). Winland concluded that 

pore throat radii at 35% mercury saturation give the best results for the dominant pore 

throat size of the rocks (Kolodzie, 1980). Winland used 82 (56 sandstone and 26 

carbonate) samples with Klinkenberg-corrected permeabilities and 240 sandstone and 

carbonate samples with uncorrected air permeabilities. Kolodzie (1980) published the 

equation that Winland created. 
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Figure 31 Karewa-1 well (Zones A to H). Winland (R35) plot. Pore throat size at 35% 
mercury saturation (R35) from Timur air permeability (Ktairsch) (Logarithmic scale). 
 

 

Figure 32 Kahawai-1 well (Zone K and M). Winland (R35) plot. Pore throat size at 35% 
mercury saturation (R35) from Timur air permeability (Ktairsch) (Logarithmic scale).  
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To use Winland’s empirical correlation for pore size and pore type classification, I 

converted the gas absolute permeability to the uncorrected air permeability by using the 

Swanson’s empirical relationship (1981) between the liquid permeability and the air 

permeability. My assumption was that the liquid permeability which does not have gas 

slippage effects was accepted to be equal to the gas absolute permeability that I found 

from the Timur, Morris-Biggs, Coates-Denoo, and Coates-Dumanoir models.  

 

The results for the Mangaa C-1 gas formation in the Karewa-1 well showed that the pore 

throat radius at 35% mercury saturation (port size or R35) was decreased by the 

diagenesis effects (calcite cementation, dissolution and alteration of feldspar minerals and 

lithic fragments, and precipitation of authigenic clay cements) in zones B, D, F, and H.  

In zone F, the high degree of calcite cementation which might fill the pores created by 

the diagenesis effects narrowed the pore throats greatly without decreasing the grain size 

of the formation at these depths. Lower pore throats correspond to higher capillarity 

within the pores by keeping a greater amount of irreducible water among the grains.  

 

After removing the ineffective dissolution porosity in zones B, D, and H, I estimated the 

dominant port size (R35) more reasonably in the diagenetic zones (B, D, and H). Before 

correction, port size of zones B, D, and H (hollow perpendicular, hollow triangle, and 

times signs, respectively) was higher and classified as “macroport” on Winland’s plot. 

After the diagenesis correction (shown with the arrow), port size of the diagenetic zones 

was lowered and classified as “mesoport” similar to zone F (Figure 31).  
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On the other hand, the high productive zones (A, C, E, and G) showed higher port sizes 

and were classified as “macroport”. Zones A, C, E, and G were interpreted as 

intergranular porous zones.  

 

In the Kahawai-1 well, the Mangaa C-1 gas formation showed macro port size on 

Winland’s plot (Figure 32). Pore throat size of zone K was interpreted as macroport and 

is similar to high productive zones (zones A, C, E, and G) in the Karewa-1 well. On the 

other hand, zone L showed decreasing pore throat size, but the dominant pore throat type 

in the zone is classified as macroport. 

 

Zone M was not considered in the pore type characterizations because all pore type 

characterization methods in this study necessitated effective porosity and absolute 

permeability parameters, but zone M was recognized as the transition zone which the 

permeability models were invalid. Therefore, zone M was not involved for flow unit 

methods. 

 

3.6.3 K/Φ ratio 

The permeability-porosity ratio was used to characterize different flow units (pore size) 

in the gas reservoir for the Karewa-1 and Kahawai-1 wells (Figure 33). Rather than 

interpreting porosity or permeability alone, I used the permeability-porosity ratio to better 

understand different hydraulic flow units in the gas reservoir. I plotted the gas absolute 

permeability calculated from Timur’s model, the effective porosity, and the ratio of these  
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(a) 

 

(b) 

Figure 33 (a) Karewa-1 well-permeability (K)-porosity (Φ) plot from Timur absolute 
permeability (Ktsch). Porosity-permeability ratio was dramatically reduced by diagenesis 
effects in zones B, D, F, and H. After removing the dissolution porosity from the effective 
porosity, true places of the diagenetic zones (zone B, D, and H) were indicated by an 
arrow. (b) Kahawai-1 well (Zone K and M) permeability (K)-porosity (Φ) plot from 
Timur absolute permeability (Ktsch). Zone L has a lower permeability-porosity ratio due 
to abundant smaller grain size and pore throat size. 
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parameters. In this plot, I observed three different flow unit types in terms of the 

permeability-porosity ratio. Zones A, C, E, and G in the Karewa-1 well and zone K in the 

Kahawai-1 well showed a high permeability-porosity ratio (K/phi% > 2) (). Conversely, 

zones B, D, F, and H in the Karewa-1 well showed a low permeability-porosity ratio 

(K/phi% < 0.5) (diagenetic zones). Lastly, zone L in the Kahawai-1 well displayed a 

permeability-porosity ratio between 0.5 and 2 which corresponds to lower quality rocks 

(abundant silt-sized grains). 

 

4 Results and Discussion 

Using conventional well logs, the petrophysical study of the Mangaa C-1 shaly sand gas 

formation was conducted. The log-derived permeability values of the Mangaa C-1 gas 

saturated shaly sand formation and pore type characterization of the formation were made 

at the Karewa-1 and Kahawai-1 wells, in the Taranaki Basin. Shale existence and 

diagenesis effects (dissolution, cementation, and precipitation of the minerals) complicate 

pore type and grain size distributions and hence predictions of permeability. However, 

mineralogy crossplots helped us understand fluid, mineralogy, and diagenesis effects on 

the rocks to proceed in this study. 

 

Different diagenesis effects on the mineralogy crossplots were seen with different trends. 

On the neutron-density crossplot, M-N crossplot, ϱmaa-tmaa MID plot, and ϱmaa -Umaa 

MID plot,  gas and diagenesis effects were observed more readily whereas the PEF-

density crossplot showed better mineralogy identifications in both wells even though 
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none of them were powerful due to the existence of gas, clay minerals, and diagenetic 

feldspar minerals, simultaneously.  

 

True estimations of shale volume, porosity, and effective water saturation allowed us to 

confidently predict absolute permeability of hydrocarbon bearing formations. Shale 

volume found by the GR log and calibrated by the Larianov tertiary rocks equation was 

more or less consistent with the clay volume of thin section and XRD data. Likewise, the 

effective porosity was estimated by neutron-density logs by removing the micro pores in 

shale and matched thin section porosity results. 

 

The Mangaa C-1 gas-saturated formation consisted of mainly illite minerals confirmed 

by the spectral gamma-ray logs and crossplots in the Kahawai-1 well and known from 

thin sections of the formation in the Karewa-1 well. Also, the Thomas-Stieber method 

showed that the shale type within the gas formation at both wells was laminated with 

some dispersed shale in the gas formation. This is not surprising because dispersed shale 

was thought to be authigenic and might precipitate immediately after dissolution and 

alteration of feldspar minerals and lithic fragments because of the reactions of these 

minerals with formation water.  

 

To better estimate the effective water saturation of the gas formation, Simandoux, 

Schlumberger, Indonesia, and Dual-Water models, as well as the clean matrix Archie 

equation calculations, were used to minimize clay conductivity effects on the water 

saturation calculations. After finding shale and sand volumes, effective, clay bound, and 



 

62 
 

total porosity, and effective, clay bound, and total water saturation, the lithology logs 

from water saturation models were created. All lithology logs indicated that four zones 

(zones B, D, F, and H) in the Karewa-1 well and two zones (zones K and L) in the 

Kahawai-1 well have high water saturation results. 

 

The bulk volume water plot was used to find the irreducible water saturation zones and 

the transition zone of the gas formation in two wells. Combining the bulk volume water 

results with thin section descriptions and lithology logs indicated the reasons for high 

irreducible water saturations in zones B, D, F, and H.  

 

Microporosity and secondary porosity in zones B, D, and H were recognized as 

ineffective pores from the bulk volume water analysis and interpreting the invaded zone 

resistivity log and were removed to find the true bulk volume water values in these zones 

by adjusting the deep resistivity log. After removing this dissolution porosity, the bulk 

volume water results became similar to the low irreducible water saturation zones. In 

zone F, the high degree of calcite cementation decreased porosity and pore throat size. 

Because of narrowing the pore throat size, high capillarity in zone F caused higher 

irreducible water saturation within the pores and decreased the permeability of that zone. 

Zones A, C, E, and G presented low irreducible water saturation and minimum bulk 

volume water values.  

 

Zone L in the Kahawai-1 well showed abundant silt-sized grains which caused higher 

irreducible water saturation in the pores. Bulk volume water values were consistent within 
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zone L, but were higher than the low irreducible water saturation zone (zone K). Higher 

bulk volume water results in zone L was due to smaller grain size. Zone M showed 

increasing bulk volume water values and was thought to be the transition zone. 

 

Irreducible water saturation values and effective porosity (shale microporosity and 

dissolution porosity were removed) were used to estimate the permeability of the gas 

formation in two wells, using empirical models. Low irreducible water saturation zones 

(A, C, E, G, and K) showed higher permeability results than diagenetic zones (B, D, F, 

and H) which have high irreducible water saturation values. Lower grain size in zone L 

decreased the permeability due to higher capillarity in the pores.  

 

Pore type characterizations distinguished a low quality zone (zone L), diagenetic zones 

(zones B, D, F, and H), and high quality zones (zones A, C, E, and G) from each other. 

 

5 Conclusion 

The primary mineral compositions of the Mangaa C-1 gas saturated formation are quartz, 

plagioclase and K-feldspar minerals with illite minerals. After the depth shifts of the PEF 

and the RXO logs were applied, different mineralogy crossplots such as neutron-density, 

M-N plot, ϱmaa-Umaa, ϱmaa-tmaa, and PEF-density crossplots were implemented to 

observe different mineralogy, fluid effects, and even diagenesis effects. Also, in two 

wells, the Thomas-Stieber method was used to identify different clay types by well logs 

and thin section data, and at the Kahawai well, the spectral gamma-ray logs and crossplots 
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Appendix A: Mineralogy Crossplots 

A.1   M-N plot 

One of the strongest mineralogy crossplot is M-N plot which uses sonic, density and 

neutron logs. For M number, sonic transit time and bulk density were used. As for N 

number, bulk density and neutron limestone porosity were used. 

 

𝑀𝑀 =  
𝑡𝑡𝑓𝑓 − 𝑡𝑡
𝜚𝜚𝑏𝑏 −  𝜚𝜚𝑓𝑓

𝑥𝑥 0.01 

 

𝑁𝑁 =  
𝛷𝛷𝑁𝑁𝑓𝑓 − 𝛷𝛷𝑁𝑁

𝜚𝜚𝑏𝑏 −  𝜚𝜚𝑓𝑓
 

 

where 

𝑡𝑡𝑓𝑓 = The transit time of the formation fluid (I used 185 µsec/ft) (µsec/ft) 

𝑡𝑡  = The sonic log transit time (Read from sonic log) (µsec/ft) 

𝜚𝜚𝑏𝑏 = Bulk density (Read from density log) (g/cm3) 

𝜚𝜚𝑓𝑓 = The density of the formation fluid (I used 1.1000 g/cm3 for Karewa-1 and 1.1144 

g/cm3 for Kahawai-1) (g/cm3) 

𝛷𝛷𝑁𝑁𝑓𝑓 = Neutron porosity of the fluid (I used “1”) (decimal) 

𝛷𝛷𝑁𝑁 = The neutron porosity for water-saturated limestone (Read from neutron log) 

(decimal) 
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A.2   𝛠𝛠𝐦𝐦𝐦𝐦𝐦𝐦 vs. 𝐭𝐭𝐦𝐦𝐦𝐦𝐦𝐦 MID plot 

The apparent matrix transit time and the apparent matrix density values were plotted in 

this part in order to see mineral and fluid effects.  

 

ϱmaa =  
ϱ𝑏𝑏 − 𝛷𝛷𝑡𝑡𝑡𝑡𝜚𝜚𝑓𝑓

1 −  𝛷𝛷𝑡𝑡𝑡𝑡
 

 

tmaa =  𝑡𝑡−𝛷𝛷𝑡𝑡𝑡𝑡𝑡𝑡𝑓𝑓
1− 𝛷𝛷𝑡𝑡𝑡𝑡

     Time-average relationship 

 

where 

𝜚𝜚𝑏𝑏 = Bulk density (Read from density log) (g/cm3) 

𝑡𝑡  = The sonic log transit time (Read from sonic log) (µsec/ft) 

𝜚𝜚𝑓𝑓 = The density of the formation fluid (I used 1.1 g/cm3 for Karewa-1 and 1.1144 g/cm3 

for Kahawai-1)   (g/cm3) 

𝑡𝑡𝑓𝑓 = The transit time of the formation fluid (I used 185 µsec/ft) (µsec/ft) 

𝛷𝛷𝑡𝑡𝑡𝑡 = Apparent total porosity (decimal) 

 

A.3   𝛠𝛠𝐦𝐦𝐦𝐦𝐦𝐦 vs. 𝐔𝐔𝐦𝐦𝐦𝐦𝐦𝐦 MID plot 

This mineral identification plot can be used to determine lithology, shale effects, 

diagenesis, and gas effects. To create this plot, PEF and density logs were needed. 

 

Umaa =  
P𝑖𝑖𝜚𝜚𝑖𝑖 − 𝛷𝛷𝑡𝑡𝑡𝑡𝑈𝑈𝑓𝑓

1 −  𝛷𝛷𝑡𝑡𝑡𝑡
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 𝜚𝜚𝑖𝑖 =  𝜚𝜚𝑏𝑏+0.1883
1.0704

 

 

where 

Umaa = The apparent matrix volumetric cross section (barn/cc) 

P𝑖𝑖 = The photoelectric absorption factor (b/e) 

𝜚𝜚𝑖𝑖 = Electron density (g/cm3) 

𝛷𝛷𝑡𝑡𝑡𝑡 = The apparent total porosity (decimal)  

𝜚𝜚𝑏𝑏 = Bulk density (Read from density log) (g/cm3) 

𝑈𝑈𝑓𝑓 = Volumetric section of the fluid 

 

Appendix B: Petrophysical Formation Properties 

B.1 Clay Volume Calculation 

Clay volume was calculated from GR log and was calibrated by Larianov tertiary rocks 

equation (Larianov, 1969). 

 

IGR = 
GRLOG−GRMIN
GRMAX−GRMIN

 

𝑉𝑉𝑆𝑆𝑆𝑆 =  0.083 ∗ (2(3.7∗𝐼𝐼𝐺𝐺𝐺𝐺)  −  1) 

 

where 

IGR = Gamma Ray Index (Linear) (decimal) 

GRLOG = Gamma ray value (Read from gamma-ray log) (API)    

GRMIN = Minimum gamma ray value from clean zone (I used 60 API) (API)    
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GRMAX = Maximum gamma ray value from shale zone (I used 107 API) (API)    

VSH = Larianov equation for tertiary (young) rocks (decimal) 

 

Figure B-1 Kahawai-1 well (Zone K, L, and M)-Potassium-thorium logs crossplot 
(different version). 
 

 

Figure B-2 Kahawai-1 well (Zone K, L, and M)-Potassium-thorium logs crossplot. 
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B.2 Effective and Total Porosity 

Density porosity was calculated from the formation bulk density (ρb), the matrix density 

(ρma), and fluid density (ρfl). 

 

Φ𝐷𝐷 =   𝜌𝜌𝑚𝑚𝑡𝑡− 𝜌𝜌𝑏𝑏
𝜌𝜌𝑚𝑚𝑡𝑡− 𝜌𝜌𝑓𝑓𝑓𝑓

  

where, 

ΦD = Density porosity (decimal) 

ρma = Matrix density (I used 2.70 g/cm3) (g/cm3) 

ρb = Formation bulk density (Read from FDC log) (g/cm3) 

ρfl = Fluid density (I used 1.1 g/cm3 for Karewa-1 and 1.1144 g/cm3 for Kahawai-1 well) 

(g/cm3) 

Density porosity and lithology corrected neutron log porosity values were corrected for 

the shale effects within the sandstone. 

 

Φ𝑑𝑑𝑖𝑖  =  Φ𝐷𝐷  −  (𝑉𝑉𝑆𝑆𝑆𝑆  ∗  Φ𝑑𝑑𝑖𝑖ℎ) 

Φ𝑖𝑖𝑖𝑖  =  Φ𝑖𝑖𝑖𝑖  −  (𝑉𝑉𝑆𝑆𝑆𝑆  ∗  Φ𝑖𝑖𝑖𝑖ℎ) 

 

where 

Φ𝑑𝑑  = Density porosity (decimal) 

Φ𝑑𝑑𝑖𝑖 = Clay−corrected density porosity (decimal) 

Φ𝑖𝑖𝑖𝑖 = Clay−corrected neutron porosity (decimal) 

V𝑖𝑖ℎ  = Larianov equation for tertiary (young) rocks (decimal) 
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Φ𝑑𝑑𝑖𝑖ℎ = Density shale porosity at nearby shale, at 1253m (decimal) 

Φ𝑖𝑖𝑖𝑖 = Neutron porosity (Limestone to sandstone converted) (decimal) 

Φ𝑖𝑖𝑖𝑖ℎ= Neutron shale porosity at nearby shale, at 1253m (decimal) 

 

Effective porosity was calculated from the shale-corrected density porosity and the shale-

corrected neutron porosity. Estimating the total shale porosity from shale density porosity 

and shale neutron porosity at nearby shale, the total gas porosity was calculated. 

 

Φ𝑖𝑖 = �(Φ𝑑𝑑𝑖𝑖
2 + Φ𝑖𝑖𝑖𝑖

2 )
2

 

Φ𝑡𝑡𝑖𝑖ℎ =  δ ∗  Φ𝑑𝑑𝑖𝑖ℎ  +  (1 −  δ)  ∗  Φ𝑖𝑖𝑖𝑖ℎ                      

Φ𝑡𝑡  =  Φ𝑖𝑖  + (V𝑖𝑖ℎ  ∗  Φ𝑡𝑡𝑖𝑖ℎ)  

 

where 

Φ𝑖𝑖 = Effective porosity (decimal) 

Φ𝑡𝑡𝑖𝑖ℎ = Total shale porosity (decimal) 

δ = Field-dependent constant which is between 0.5 and 1.0 (I took 0.7)  

Φ𝑡𝑡 = Total porosity (decimal) 

V𝑖𝑖ℎ  = Larianov equation for tertiary (young) rocks (decimal) 

Φ𝑑𝑑𝑖𝑖ℎ = Shale porosity from density porosity (Estimated from nearby overlying shale at 

1925.3 m) (decimal) 

Φ𝑖𝑖𝑖𝑖ℎ = Shale porosity from neutron porosity (Estimated from nearby overlying shale at 

1925.3 m) (decimal) 
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B.3 Water Saturation Models 

Effective water saturation of the gas saturated shaly sand Mangaa C-1 formation was 

estimated by the Archie and non-Archie shaly sand models, Simandoux, Schlumberger, 

Indonesia, and Dual-Water in order to get rid of the effects of clay conductivity. 

 

B.3.1 Archie Water Saturation 

Archie (Archie, 1942) equation was calculated without adding a clay conductivity factor. 

𝑆𝑆𝑆𝑆𝑡𝑡𝑎𝑎𝑖𝑖ℎ𝑖𝑖𝑖𝑖 = � 𝑎𝑎 ∗ 𝑅𝑅𝑆𝑆
Φ𝑒𝑒𝑚𝑚 ∗ Rt 

𝑛𝑛
 

 

where 

Swarchie = Archie water saturation (decimal)  

Φe = Effective porosity (decimal) 

Rw = Resistivity of the formation water (From the Pickett plot) (ohm-m) 

Rt = True resistivity of the formation (Calibrated from LLD log) (ohm-m) 

m = Cementation exponent (I used “2.23” from the Pickett plot)) 

n = Saturation exponent (I used “2”) 

a = Tortuosity exponent (I used “1”) 

 

B.3.2 Simandoux Water Saturation 

Simandoux (Simandoux, 1963) equation includes Rsh and Vsh parameters in order to 

decrease the shale effect on the water saturation results. 
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𝑆𝑆𝑆𝑆𝑒𝑒𝑖𝑖𝑖𝑖𝑚𝑚 = 0.4∗𝑅𝑅𝑆𝑆
Φ𝑒𝑒𝑚𝑚 ∗ (�(𝑉𝑉𝑉𝑉ℎ𝑅𝑅𝑉𝑉ℎ)

2
∗ (5∗Φ𝑒𝑒𝑚𝑚

𝑅𝑅𝑡𝑡∗𝑅𝑅𝑆𝑆)− 𝑉𝑉𝑉𝑉ℎ
𝑅𝑅𝑉𝑉ℎ) 

 

where 

Swesim = Simandoux effective water saturation (decimal) 

VSH = Larianov equation for tertiary (young) rocks (decimal) 

Rsh = Shale resistivity (Estimated from nearby overlying shale at 1925.3 m) (ohm-m) 

Φe = Effective porosity (decimal) 

Rw = Resistivity of the formation water (From the Pickett plot) (ohm-m) 

Rt = True resistivity of the formation (ohm-m) 

m = Cementation exponent (I used “2.23” from the Pickett plot)) 

 

B.3.3 Schlumberger Water Saturation 

Schlumberger (Schlumberger, 1972) model is (1-Vsh) added version of the Simandoux 

equation to make the shale volume more dominant on the equation. 

 

𝑆𝑆𝑆𝑆𝑒𝑒𝑖𝑖𝑖𝑖ℎ = 0.4∗(1−𝑉𝑉𝑉𝑉ℎ)∗𝑅𝑅𝑆𝑆
Φ𝑒𝑒𝑚𝑚 ∗ (�(𝑉𝑉𝑉𝑉ℎ𝑅𝑅𝑉𝑉ℎ)

2
∗ ( 5∗Φ𝑒𝑒𝑚𝑚

𝑅𝑅𝑡𝑡∗(1−𝑉𝑉𝑉𝑉ℎ)∗𝑅𝑅𝑆𝑆)− 𝑉𝑉𝑉𝑉ℎ
𝑅𝑅𝑉𝑉ℎ) 

where 

Swesch = Schlumberger effective water saturation (decimal) 

VSH = Larianov equation for tertiary (young) rocks (decimal) 

Rsh = Shale Resistivity (Estimated from nearby overlying shale at 1925.3 m) (ohm-m) 

Φe = Effective porosity (decimal) 
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Rw = Resistivity of the formation water (From the Pickett plot) (ohm-m) 

Rt = True resistivity of the formation (ohm-m) 

m= Cementation exponent (I used “2.23” from the Pickett plot)) 

 

B.3.4 Indonesia Water Saturation 

Indonesia (Poupon and Leveaux, 1971) water model was also used in this study by 

considering the shale resistivity and the shale volume in addition to standard parameters, 

cementation component, tortuosity component, true formation resistivity, and water 

resistivity. 

𝑆𝑆𝑆𝑆𝑒𝑒𝑖𝑖𝑖𝑖𝑑𝑑 =
1
𝑅𝑅𝑡𝑡

((𝑉𝑉𝑉𝑉ℎ
(1−𝑉𝑉𝑖𝑖ℎ2 )

√𝑅𝑅𝑉𝑉ℎ
) + (� Φe𝑚𝑚

𝑎𝑎 ∗ 𝑅𝑅𝑆𝑆))

 

 

where 

SweInd = Indonesia effective water saturation (decimal) 

m = Cementation exponent (I used “2.23” from the Pickett plot))  

Rt = True resistivity of the formation (ohm-m) 

VSH = Larianov equation for the tertiary (young) rocks (decimal) 

Rsh = Shale resistivity (Estimated from nearby overlying shale at 1925.3 m) (ohm-m) 

Φe = Effective porosity (decimal) 

Rw = Resistivity of the formation water (From the Pickett plot) (ohm-m) 

a = Tortuosity exponent (I used “1”) 
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B.3.5 Dual-Water Saturation 

Dual-Water model (Dewan, 1983) was used in order to estimate the clay bound, effective 

and total water saturation. 

  

𝑆𝑆𝑆𝑆 = 𝑉𝑉𝑆𝑆𝑆𝑆 ∗ (Φtsh
Φt
� )  

𝑅𝑅𝑆𝑆 = 𝑅𝑅𝑉𝑉ℎ ∗ (Φtsh2) 

𝑅𝑅𝑆𝑆𝑎𝑎 = 𝑅𝑅𝑡𝑡 ∗ (Φt2) 

𝑅𝑅𝑆𝑆 = 𝑅𝑅𝑅𝑅𝑅𝑅 ∗ (Φt2) or (Read from the Pickett plot.) 

Swdual = 𝑆𝑆 + �b2 + (Rw/Rwa)  

b = S𝑆𝑆 ∗
(1 − 𝑅𝑅𝑤𝑤

𝑅𝑅𝑏𝑏� )

2
 

Swedual =
(Swdual − Sb)

(1 − Sb)
 

 

where 

Swedual = Dual-Water effective water saturation (decimal) 

Swdual = Dual-Water total water saturation (decimal) 

Sb = Clay bound water saturation (decimal) 

Vsh = Larianov equation for tertiary (young) rocks (decimal) 

Φtsh = Total shale porosity (decimal) 

Φt = Total porosity (decimal) 

Rb = Resistivity of clay bound water (ohm-m) 

Rsh = Shale resistivity (Estimated from nearby overlying shale at 1925.3 m) (ohm-m) 
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Rwa = Apparent resistivity of the formation water of the shaly sand reservoir (ohm-m) 

Rt = True resistivity of the formation (Read from the logs) (ohm-m) 

Rw = Calculated resistivity of the water at nearby clean water formation or read from the 

Pickett plot (ohm-m) 

Rcl = Resistivity of nearby clean water formation (ohm-m) 

 

Appendix C: Bulk Volume Water and Flow Zone Indicator 

C.1 Bulk Volume Water and Bulk Volume Water Irreducible 

Bulk volume water was determined from the effective water saturation and the effective 

porosity. 

 

BVW = Swe ∗  Φe 

 

where 

BVW = Bulk volume water (decimal) 

Swe = Effective water saturation (decimal) 

Φe = Effective porosity (decimal) 

 

At irreducible water saturation, BVW gives the lowest values and was called as “Bulk 

Volume Water Irreducible (BVI)”. BVI should be constant or nearly constant for the same 

lithology and grain size at irreducible water saturation (Asquith, 1985). 

BVI = Swi ∗  Φe 
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where 

BVI = Bulk volume water irreducible (decimal)  

Swi = Irreducible water saturation (decimal) 

Φe = Effective porosity (decimal) 

 

C.2   Grain size from Bulk Volume Water 

The mean grain size of the formation might be determined by the bulk volume water. I 

created the following equation from the chart (Asquith, 1985) showing the grain size 

classification with the bulk volume water. 

 

𝑇𝑇ℎ𝑒𝑒 𝑚𝑚𝑒𝑒𝑎𝑎𝑚𝑚 𝑔𝑔𝑔𝑔𝑎𝑎𝑔𝑔𝑚𝑚 𝑉𝑉𝑔𝑔𝑠𝑠𝑒𝑒 (𝑚𝑚𝑚𝑚) = 0.0002 ∗ 𝐵𝐵𝑉𝑉𝐵𝐵−2.154           (R2= 0.994) 

 

where 

       BVW = Bulk volume water (decimal) 
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Figure C-1 The mean grain size determination from bulk volume of water using the table 
created by Asquith (1985). 
 

Appendix D: Permeability Calculations 

D.1 Permeability Calculations 

There are four different permeability models used in this study which use the irreducible 

water saturation and effective porosity.  

 

D.1.1 Timur Absolute Permeability 

Wyllie and Rose (1950) created a generalized equation to estimate the intrinsic 

permeability of the rocks by using the effective porosity and the irreducible water 

saturation. One of the most common formula using the Wyllie-Rose equation is Timur 

model. 

Mean Grain size = 0.0002*BVW-2.154

R² = 0.994
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Timur (1968) used 155 sandstone cores of the different oil areas in the USA and estimated 

the permeability of the rocks for the medium gravity oil at laboratory studies. Timur 

permeability model uses the Wyllie-Rose equation with three constants. The constants of 

this permeability model are called a, b, and c. This equation is only valid for the 

formations at irreducible water saturation.  

 

Timur permeability is a laboratory measurement and give good results for only oil fields. 

According to the Dewan’s book (Dewan, J. T., 1983), the results of the empirical 

permeability models using the Wyllie-Rose equation must be corrected for the gas 

reservoirs. Multiplying the results of the permeability models for medium gravity oil 

fields by the gas density (Assumed to be 0.1 g/cm3) will give better results for the gas 

reservoirs (Dewan, J. T., 1983). Therefore, except the Morris-Biggs gas equation which 

is suitable for the gas reservoirs, I used the gas density to modify the medium gravity oil 

models, Timur, Coates-Denoo, and Coates-Dumanoir models 

. 

𝐾𝐾𝑇𝑇𝐼𝐼𝑇𝑇𝑇𝑇𝑖𝑖𝑇𝑇 = (100 ∗  Φe
2.25

𝑆𝑆𝑤𝑤𝑖𝑖
)2      for medium gravity oil 

𝐾𝐾𝑇𝑇𝐼𝐼𝑇𝑇 = 𝐾𝐾𝑇𝑇𝐼𝐼𝑇𝑇𝑇𝑇𝑖𝑖𝑇𝑇 ∗  𝜌𝜌𝑔𝑔   for gas  

 

where 

KT IMoil = Timur absolute permeability for oil (millidarcies) 

KT IM = Timur gas absolute permeability (millidarcies) 

Φe = Effective porosity (decimal) 
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Swi = Irreducible water saturation of the formation of the interest (decimal) 

 𝜌𝜌𝑔𝑔 = Gas density (Assumed to be 0.1 g/cm3) (g/cm3) 

  

D.1.2 Morris-Biggs Gas Absolute Permeability 

Another permeability model is Morris-Biggs Gas equation. Morris and Biggs (1967) 

presented the permeability equations for both oil and gas reservoirs by using the Wyllie-

Rose equation. Morris-Biggs gas permeability calculations in the fully gas saturated zone 

(at irreducible water saturation) are slightly different than the permeability determined 

from Timur model. Unlike Timur model, Morris-Biggs model gives the permeability 

equation for the gas fields and is not needed to be corrected.  

 

Tixier (1949) also created the permeability equation empirically by using the Wyllie-

Rose equation, but the permeability results were almost same with the permeability 

calculations of the Morris-Biggs gas equation. Therefore, I only displayed the 

permeability results from the Morris-Biggs equation, using the irreducible water 

saturation and the effective porosity of the gas reservoirs. 

 

𝐾𝐾𝑇𝑇𝑀𝑀𝐺𝐺 = 6241 ∗
Φ𝑒𝑒6

𝑆𝑆𝑆𝑆𝑔𝑔2
 

where 

KMBG = Morris − Biggs gas absolute permeability (millidarcies) 

Φe = Effective porosity (decimal) 

Swi = Irreducible water saturation of the formation of the interest (decimal) 
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D.1.3 Coates-Denoo Absolute Permeability 

Like Timur and Morris-Biggs models, Coates-Denoo (1981) model included the effective 

porosity and the irreducible water saturation to calculate the absolute permeability of the 

formation. Another similarity of the Coates-Denoo permeability to Timur model was that 

the absolute permeability must be corrected from medium gravity oil to gas by the gas 

density of the formation. Multiplication of the gas density with the Coates-Denoo 

absolute permeability will correspond to better absolute permeability predictions for the 

gas reservoir. 

 

𝐾𝐾𝑅𝑅𝐾𝐾𝑔𝑔𝑅𝑅 = (100 ∗ Φ𝑖𝑖
2.∗ (1−𝑆𝑆𝑤𝑤𝑖𝑖)
𝑆𝑆𝑤𝑤𝑖𝑖

)2    for medium gravity oil 

𝐾𝐾𝐶𝐶 = 𝐾𝐾𝐶𝐶𝑇𝑇𝑖𝑖𝑇𝑇 ∗ 𝜌𝜌𝑔𝑔 for gas 

 

where 

KCoil = Coates-Denoo absolute permeability for oil (millidarcies) 

KC = Coates-Denoo gas absolute permeability (millidarcies) 

Φe = Effective porosity (decimal) 

Swi = Irreducible water saturation of the formation of the interest (decimal) 

𝜌𝜌𝑔𝑔 = Gas density (Assumed to be 0.1 g/cm3) (g/cm3) 

 

D.1.4 Coates-Dumanoir Absolute Permeability 

Coates and Dumanoir (1974) presented an empirical relationship for the permeability 

estimations of the medium gravity oil reservoirs from the irreducible water saturation and 
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the effective porosity. Rather than only using the effective porosity and the irreducible 

water saturation, textural parameter (w) was included on the equation which was assumed 

to be equal to the cementation and saturation components. Similarly, multiplying the gas 

used for the medium gravity oil will density of the formation with the absolute 

permeability correspond to the true absolute permeability of the gas reservoir. 

  

𝐾𝐾𝐶𝐶𝐷𝐷𝑇𝑇𝑖𝑖𝑇𝑇 = (�300
𝑤𝑤4 � ∗ (Φ𝑖𝑖

𝑤𝑤

𝑆𝑆𝑤𝑤𝑖𝑖𝑤𝑤
))2     for medium gravity oil 

𝐾𝐾𝐶𝐶𝐷𝐷 = 𝐾𝐾𝐶𝐶𝐷𝐷𝑇𝑇𝑖𝑖𝑇𝑇 ∗ 𝜌𝜌𝑔𝑔   for gas 

where 

KCDoil = Coates − Dumanoir absolute permeability for oil (millidarcies) 

KCD = Coates − Dumanoir gas absolute permeability (millidarcies) 

Φe = Effective porosity (decimal) 

Swi = Irreducible water saturation of the formation of the interest (decimal) 

w = Textural parameter ~ m (cementation exponent) ~ n (saturation exponent) (I used 

2.23 for “w”) 

𝜌𝜌𝑔𝑔 = Gas density (Assumed to be 0.1 g/cm3) (g/cm3) 

 

D.2 Multi-linear Regression Absolute Permeability 

I finally used multi-linear regression to create the permeability equation from the 

conventional well logs for the Mangaa C-1 gas formation in Taranaki basin. To apply the 

multi-linear regression, Timur gas permeability with gamma ray, true resistivity, and 

density logs were used because these three logs showed the highest influence on the log-
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derived permeability results. Created regression equation is not valid for quite low 

permeability zones of the gas reservoir and gave negative values, but the rest of the multi-

linear regression permeability results of the formation were pretty similar to the log-

derived permeability results. 

 

I used the multi-linear regression equation created for the Mangaa C-1 gas saturated 

formation. 

 

𝐾𝐾𝑚𝑚𝑚𝑚𝑇𝑇𝑡𝑡𝑖𝑖𝑖𝑖𝑖𝑖ℎ = (1.88462726 − 0.69889826 ∗ 𝐹𝐹𝐹𝐹𝐹𝐹 +  0.0033509 ∗ 𝑅𝑅𝑡𝑡 − 0.00514935 ∗

𝐺𝐺𝑅𝑅𝐺𝐺 (𝐹𝐹𝑎𝑎𝑔𝑔𝑅𝑅𝐷𝐷) (R2 = 0.88663) 

 

where 

FDC = Bulk density log (g/cm3) 

Rt = True resistivity of the formation (ohm-m) 

GRI = Gamma-ray log (API) 

 

 

D.3 Air Permeability from Swanson equation 

Air permeability is the permeability of the rocks measured at laboratory conditions. 

Klinkenberg (1941) determined that due to the gas slippage effects, the permeability 

measured at laboratory conditions changes with the fluid types (different gas types) 

especially at low mean pressures, but the permeability is the property of a rock and cannot 

be different with different fluids.  
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At laboratories, gas or liquid might be used to examine the permeability of the rocks. 

Unlike the liquid, gas molecules have finite velocity on the pore walls, which causes 

higher flow rate (Klinkenberg, 1941; Schön, 2004). Then, due the gas slippage, air 

permeability is overestimated in comparison to liquid permeability which has zero 

velocity on the pore walls (laminar flow) (Klinkenberg, 1941; Schön, 2004).  

 

I assumed that the absolute permeability of the gas reservoir found by Timur, Morris-

Biggs, Coates-Denoo, and Coates-Dumanoir models was the true absolute permeability 

of gas reservoir and was needed to be converted to the uncorrected air permeability to use 

the empirical R35 correlations for pore type classifications of the formation.  

 

To convert our true absolute permeability results to the uncorrected air permeability 

(uncorrected for Klinkenberg gas slippage effects), I used Swanson empirical equation. 

Swanson (1981) generated the empirical relationships to estimate the air permeability and 

brine permeability from the laboratory studies. These empirical equations are correlated 

to establish a relationship to convert the brine permeability to the uncorrected air 

permeability (Swanson, 1981). Instead of the brine permeability in the equation, I used 

the absolute permeability of gas reservoir estimated by the empirical models to convert 

to the uncorrected air permeability in order to use them on Winland’s equation. In other 

words, liquid permeability (no Klinkenberg effect) was thought to be true absolute 

permeability of core and might be assumed to be equal to the estimated absolute 

permeability of the gas reservoir in this study. 

 

https://www.google.com/search?tbo=p&tbm=bks&q=inauthor:%22J%C3%BCrgen+Sch%C3%B6n%22&source=gbs_metadata_r&cad=4
https://www.google.com/search?tbo=p&tbm=bks&q=inauthor:%22J%C3%BCrgen+Sch%C3%B6n%22&source=gbs_metadata_r&cad=4
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𝐾𝐾𝑎𝑎𝑔𝑔𝑔𝑔 = (
𝐾𝐾𝑏𝑏𝑎𝑎𝑖𝑖𝑖𝑖𝑖𝑖
0.292

)(1 1.186� ) 

 

where 

Kair = Uncorrected air permeability (millidarcies) 

Kbrine = Liquid permeability (It is assumed to be the true absolute permeability) 

(millidarcies) 

 

D.4 Permeability and PEF log crossplot 

Permeability results were plotted with photo-electric factor log because in the diagenetic 

zones , if the diagenesis is detrimental, higher PEF values will mean less stable minerals 

(quartz) and more unstable minerals (feldspar minerals) for clastic reservoirs. According 

to the Bowen’s reaction series, unstable minerals (feldspar minerals) tend to alter more 

easily with diagenesis process to transform to more stable minerals (quartz). Therefore, I 

knew that quartz has quite lower PEF values than feldspar minerals (plagioclase or K-

feldspar), calcite, dolomite, most of the clay minerals, and heavy minerals, higher PEF 

values will decrease the permeability of the formation because of the diagenetic feldspar 

minerals and precipitating authigenic clay cements which are the resultant products of the 

diagenetic feldspar minerals. Therefore, in this study, the PEF log which fluid phases do 

not have a big impact on will be a powerful tool to compare the permeability of the 

formation which is the property of rocks. 

 



 

90 
 

 

Figure D-1 Karewa-1 well (Zones A to H). PEF log and Timur permeability (Ktsch) found 
by the Schlumberger water saturation results. The diagenetic minerals (displaying higher 
PEF values) in the zones (Zones B, D, F, and H) decreased the permeability. 

 

 
Appendix E: Flow Unit Characterizations 

E.1 Flow Zone Indicator (FZI) and Reservoir Quality Index (RQI) 

Flow zone indicator is a good parameter to identify different reservoir flow units at 

irreducible water saturation and can be estimated by the ratio of the reservoir quality index 

and normalized porosity found by Amaefule et al. (1993).  

𝑅𝑅𝑅𝑅𝐺𝐺 = 0.0314 ∗ �
𝐾𝐾
Φe

 

Φz =
Φe

1 −Φe
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𝐹𝐹𝐹𝐹𝐺𝐺 =
𝑅𝑅𝑅𝑅𝐺𝐺
Φ𝑍𝑍

 

where 

RQI = Reservoir quality index (micron) 

K = Absolute permeability (millidarcies) 

Φe = Effective porosity (decimal) 

Φz = Pore volume to total rock volume (decimal) 

FZI = Flow zone indicator (micron) 

 

E.2 R35 (Winland) empirical correlation 

Winland created an equation by using core samples of clastic and carbonate rocks in order 

to identify the pore throat size at %35 mercury saturation by mercury injection capillary 

pressure test. Winland included uncorrected core permeability and core porosity to 

estimate the port size. 

𝑅𝑅35 =  10(0.732+0.588∗log(𝐾𝐾𝑡𝑡𝑖𝑖𝑎𝑎)−0.864∗log(𝛷𝛷𝑖𝑖𝑇𝑇𝑎𝑎𝑖𝑖)) 

where 

R35 = Port size (Pore throat size corresponding to 35% mercury saturation measured by 

mercury injection capillary pressure experiment) (micron) 

Kair = Uncorrected air permeability (millidarcies) 

𝛷𝛷𝑅𝑅𝐾𝐾𝑔𝑔𝑒𝑒 = Core porosity (percent) 
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E.3 R35 (Pittman) empirical correlation 

Pittman (1992) used 202 sandstone samples of fourteen formations between Ordovician 

and Tertiary ages and applied multi-linear regression analyses by considering Winland’s 

work to estimate the pore throat radii at different mercury saturation values. The best 

results were observed at 35% mercury saturation. Like Winland’s equation, Pittman’s 

correlation used the air permeability and the porosity to estimate the various rocks with 

different pore throat size (Pittman, 1992). By using the dominant pore throat size at 35% 

mercury saturation, the different flow units, rock types, and diagenetic zones were 

attempted to be observed in Pittman’s plot. 

  

Pittman’s port size results were almost identical to the results calculated by Winland’s 

correlation. Pore throat size at %35 mercury saturation calculated by Pittman’s equation 

give slightly lower values than the Winland’s results. 

 

𝑅𝑅35 =  10(0.255+0.565∗log(𝐾𝐾𝑡𝑡𝑖𝑖𝑎𝑎)−0.523∗log(𝛷𝛷𝑖𝑖𝑇𝑇𝑎𝑎𝑖𝑖)) 

where 

R35 = Port size (Pore throat radius corresponding to 35% mercury saturation measured 

by mercury injection capillary pressure experiment) (micron) 

Kair = Uncorrected air permeability (millidarcies) 

𝛷𝛷𝑅𝑅𝐾𝐾𝑔𝑔𝑒𝑒 = Core porosity (percent) 
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Figure E-1 Karewa-1 well (Zones A to H). Pittman (R35) plot. (a) Pore throat size at 35% 
mercury saturation (R35) from Timur air permeability (Ktairsch) (Linear lines). 
 

 

Figure E-2 Kahawai-1 well (Zone K and M). Pittman (R35) plot. (a) Pore throat size at 
35% mercury saturation (R35) from Timur air permeability (Ktairsch) (Linear lines). 


